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Abstract
Injection of hydrogen into existing natural gas grids, either partially or as a complete conversion, could
decarbonise heat and take advantage of the inherent flexibility that gas grids provide in a low-carbon future.
However, hydrogen injection is not straightforward due to the differing properties of the gases and the need for
low-cost, low-carbon hydrogen supply chains. In this study, an up-to-date assessment of the opportunities and
challenges for hydrogen injection is provided. Through value chain optimisation, the outlook for hydrogen
injection is considered in the context of a national energy system with a high reliance on natural gas.
The optimisation captures the operational details of hydrogen injection and gas grid flexibility, whilst also
modelling the wider context, including interactions with the electricity system and delivery of energy from
primary resource to end-use. It is found that energy systems are ready for partial hydrogen injection now,
and that relatively low feed-in tariffs (£20-50/MWh) could incentivise it. Partial hydrogen injection could
provide a stepping stone for developing a hydrogen infrastructure, but large scale decarbonisation of gas
grids requires complete conversion to hydrogen. Whether this solution is preferable to electrification in the
long term will depend on the value of the gas grid linepack flexibility, and the costs of expanding electricity
infrastructure.
Keywords: Hydrogen; Gas grids; Hydrogen injection; Energy storage; Value Chain Optimisation; Value
Web Model.
1. Introduction
Energy use contributes 70% of greenhouse gas (GHG) emissions globally, so strategies are needed to eliminate 
these emissions in order to meet climate change targets [1]. While technologies are emerging that can 
enable low-carbon energy production, management and end-use, it is unclear how these technologies will be 
implemented to deliver low-carbon or even zero-carbon energy systems. Furthermore, whilst technologies 
such as renewable power and carbon capture and storage (CCS) make electricity decarbonisation increasingly
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Figure 1: Percentage of households connected to the gas grid in selected countries. Data from [5].
achievable, other sectors, such as transport, industry and buildings have less obvious decarbonisation options
[2].
The extensive use of natural gas worldwide is an example of this. Globally, over 36,000 TWh of natural
gas was consumed in 2017, of which 39% was used for electricity, 32% in industry and 21% in buildings [3].
There are over 2.9 million km of high pressure gas transmission pipelines worldwide [4], and several million
km more of pipelines in the low pressure distribution systems used to provide energy to buildings for heating
and cooking. Figure 1 shows a map of countries where households are connected to gas distribution grids.
In at least seven countries (including the USA, UK, Italy and Australia) more than 50% of households are
connected to gas grids [5]. In the UK, for example, 86% of homes are connected to the gas grid [5], and
561 TWh of gas was delivered through the system in 2017, contributing approximately 22% of UK GHG
emissions when combusted [6, 7].
Eliminating these emissions is not straightforward, as they are generated at end-use, by each household. The
preferred option for reducing GHG emissions may be to abandon gas grids altogether and opt for electrifi-
cation. However, electrification of heat would require a significant expansion of electricity infrastructure [8],
as well as retro-fitting of homes to make them suitable for electric heating technologies such as heat pumps
[9]. Meanwhile, gas grids are valuable assets, and maintaining them may be advantageous [10].
For these reasons, injecting hydrogen into gas grids, either through partial mixing with natural gas or
as a complete conversion to hydrogen, is appealing. Hydrogen is gaining interest as a low-carbon energy
carrier [11], due to its relatively high energy density, multiple production options (including from electricity,
fossil fuels and bioenergy), and similarities in behaviour to conventional “fuels” such as methane (which is
the principal component of natural gas) [12]. Potential applications for hydrogen include: transport fuel
(particularly for long-range and heavy duty use, e.g. freight and shipping) [2]; decarbonising industry (for
heating, and in processes such as refining and steel production) [13]; and grid-scale electricity storage [14].
Injecting hydrogen into gas grids can reduce or eliminate emissions from heating and cooking in buildings,
whilst maintaining a valuable gas infrastructure (and without requiring significant upgrades to electricity
infrastructure). Although end-use appliances such as cookers and boilers would need to be changed for higher
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levels of hydrogen injection, the overall impact on gas-heated homes would be smaller than for electrification
[9].
Nonetheless, there are practical, technical and economic challenges for hydrogen injection into gas grids.
Haeseldonckx & d’Haeseleer [15] and Gondal & Sahir [16] both reviewed these challenges, arguing that
whilst there are clear advantages of a hydrogen-based gas system, the transition from the present system
to that end-point is not obvious. There is an increasing body of evidence from projects such as NaturalHy
[17] and Hy4Heat [18] that is helping to reduce the uncertainties surrounding hydrogen in gas grids. These
issues are discussed in section 2 of this article.
Quarton & Samsatli [19] reviewed both real-life projects and modelling studies concerning hydrogen injection
into the gas grid and found a growing interest in the process. Over 20 projects have injected hydrogen into
gas grids or plan to do so, including several projects in Europe that produce hydrogen from electrolysis
(known as power-to-gas) and inject this into the gas grid at low levels (typically up to 5 vol.%). Also of
interest are recent projects aimed at understanding the practical issues of partial hydrogen injection in more
detail, such as the HyDeploy project in the UK [20] and the GRHYD project in France [21]. Both of these
projects are currently injecting hydrogen at up to 20 vol.% into small, private grids that deliver gas to homes
and businesses. These projects are intended to validate the safety of this process and pave the way for larger
projects. In the past year there has been considerable interest in hydrogen injection into the gas grid, with
several new projects announced with scales of up to 100 MW, although these are still mostly at the planning
stage [22].
As for modelling studies, Quarton & Samsatli [19] found that many previous studies have focussed on the
business case for hydrogen injection for the hydrogen producer, such as Guandalini et al. [23], or else
calculated the levelised cost of the hydrogen produced, such as Schiebahn et al. [24] and Parra et al. [25].
Some studies such as Abeysekera et al. [26] and Pellegrino et al. [27] have carried out detailed simulation of
gas pipelines with hydrogen injection, providing useful insights into the behaviour of hydrogen in gas grids.
However these studies have no representation of the interface with electricity and no consideration of the
economics of hydrogen injection. Ogbe et al. [28] optimised natural gas pipelines with injection of hydrogen
from power-to-gas, but also focussed on the details of pipeline flow rather than impacts on the wider energy
system. Finally, some studies have modelled the effect of hydrogen injection on the wider energy system but
these studies tend to over-simplify the process, for example lacking any spatial representation of gas grids
(e.g. [29, 30]), or failing to accurately account for the differing properties of hydrogen compared to natural
gas (e.g. Qadrdan and co-workers [31, 32], and Clegg and Mancarella [33, 34]).
In this paper, we start (in section 2) by providing an up-to-date review of the opportunities and challenges
for partial injection and complete conversion of natural gas grids to hydrogen. Then (in section 3), we
present a value chain optimisation model that represents the flows of resources from primary energy to
final demand, including comprehensive representation of gas grids and hydrogen injection. We apply this
optimisation model to the Great Britain (GB) energy system, as it is representative of a system with stringent
decarbonisation targets and significant reliance on the gas grid. The results from this optimisation are
presented in section 4, along with some discussion of the outlook for hydrogen injection. Finally, conclusions
are provided in section 5.
The value chain optimisation model presented in this paper can represent all of the value chains in an energy
system, from primary energy (e.g. natural gas or renewables) to end-use (e.g. electricity or heat). The
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costs and efficiencies of all of the processes in these value chains are accounted for, including conversion
between energy carriers (e.g. gas turbines or electrolysers), generation of GHG emissions, and injection into
gas grids. The model can find the overall system optimum (e.g. the system with lowest overall cost, lowest
GHG emissions or other suitable metric), and can compare alternative value chains (e.g. electrification of
heat vs. hydrogen injection) in their optimal configurations. This study is the first to model gas grids and
hydrogen injection in energy value chain optimisation and attempts to accurately represent the details of
hydrogen injection whilst also modelling the interactions with other aspects of the energy system and finding
the overall system optimum.
2. Opportunities and challenges for using hydrogen with existing natural gas infrastructures
2.1. Opportunities for hydrogen injection
2.1.1. Power-to-gas
The term “power-to-gas” has been given various definitions; in this article, it is used to describe the process
of converting electricity to hydrogen via electrolysis. Several reviews detailing the technologies and issues
surrounding power-to-gas have been written, such as Schiebahn et al. [24] and Buttler & Spliethoff [35].
Arguments for power-to-gas are often based on increasing levels of intermittent renewable electricity (from
wind and solar) leading to times where electricity production exceeds electricity demand. This is already
happening in many countries including the UK, Germany and France, usually shown by electricity prices
falling below zero [36, 37]. If hydrogen is produced from this low-cost, excess electricity, it can be used for a
variety of applications, such as in transport, industry, or stored and reconverted to electricity when demands
exceed supply.
Another outlet for hydrogen from power-to-gas is injection into the gas grid. Hydrogen can be directly
injected into natural gas grids, either to mix with the existing natural gas, or as a complete replacement
(100% hydrogen). The practical issues with each of these options are discussed in section 2.2. Hydrogen
can also be reacted with carbon dioxide (CO2) to form “synthetic natural gas” (i.e. methane), which can be
directly injected into gas grids without any technical issues [38]. Whilst injection of synthetic natural gas
shares some of the advantages of direct hydrogen injection, it does not enable the reduction of end-use GHG
emissions so is not the focus of this study.
The economic case for direct hydrogen injection into gas grids is complex. Usually, natural gas is cheaper
than electricity, so it is unlikely that hydrogen from power-to-gas would be cost competitive with natural
gas [24]. Whether power-to-gas hydrogen can compete with natural gas in gas grids will depend on the value
of absorbing excess electricity (e.g. negative electricity prices could lead to lower-cost hydrogen), and any
value put on the CO2 mitigation of hydrogen [23, 39]. Falling electrolyser capital costs will also increase the
opportunities for hydrogen to compete economically with natural gas [40].
In general, the capacities of gas systems are large relative to their electricity counterparts, so gas grids could
easily absorb hydrogen from excess electricity. Furthermore, gas grids have inherent gas storage capacity,
known as linepack, which is described in detail in section 2.1.2. In fact, it is highly unlikely that power-to-gas
could supply all of the gas requirements of a gas system, due to the scale of electricity production capacity
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that would be required. For example, in 2017, the UK gas distribution system delivered 561 TWh of gas
to consumers, compared to a total national electricity production of 336 TWh (of which 62 TWh was from
wind, wave or solar) [6, 41]. Consequently, it is more likely that power-to-gas would supplement other gas
supplies, either supplementing natural gas in the case of hydrogen-natural gas blending, or supplementing
hydrogen produced by other means, for example methane reforming (which could include CCS for a low-
carbon solution).
2.1.2. Gas grid linepack flexibility
An aspect of gas grids that makes them particularly useful to energy systems is their inherent storage
capacity, known as linepack [42]. The gas grid linepack is the total quantity of gas (usually measured in
standard cubic metres, scm) contained within the pipelines on the network. Because the overall pressure
level of these pipelines can be varied, the quantity of gas stored is also varied. High pressure gas systems,
such as national and regional transmission systems, have greater linepack flexibility due to larger pressure
ranges and pipeline volumes [43].
Linepack is varied throughout each day by the gas grid operators in order to balance supplies and demands
of gas. As an example, Figure 2 shows data from the UK National Transmission System (NTS). Figure 2(a)
shows the linepack over a ten day period in 2018, including an “extreme” demand event due to exceptionally
cold weather. Figure 2(b) shows a histogram of linepack swing data over a 5-year period. Linepack swing
refers to the difference in linepack between the beginning of the gas day (5 a.m. for the UK NTS) and the
minimum level over the subsequent 24 hours [44]. Therefore linepack swing provides a measure of the overall
daily flexibility of the gas grid.
On the UK NTS, daily linepack swing is commonly around 100 GWh, and in extreme events it can be more
than 400 GWh. A recent study that accessed data from the UK Local Transmission System (LTS) found
that the linepack flexibility offered from the LTS is of a similar size, with an average daily linepack swing of
around 150 GWh, and more than 300 GWh in extreme events [43]. Linepack data for other countries is less
easily available, but several countries have more extensive gas transmission systems than the UK, including
the USA, the Netherlands and Japan [5], so are likely to have similar or greater linepack flexibility available.
Linepack flexibility is an essential tool for balancing supplies and demands of gas: typically, NTS linepack
is depleted when gas power plants are ramped up to meet electricity peaks, whilst LTS linepack is depleted
to meet increases in demand for gas for heating and cooking in homes. Therefore, if gas grid linepack were
to be used for absorbing large amounts of energy from the electricity system via power-to-gas, it would be
important to ensure that the existing capabilities of the system for balancing of gas supplies and demands
were not reduced. This should not be a major challenge, as the scale of linepack flexibility available on the
gas system is very large compared to the flexibility needs of the electricity system. For example, pumped
hydro storage facilities used for within-day electricity flexibility rarely exceed 10 GWh in size [45], which
is only 4% of the typical daily linepack swing on the entire UK gas grid (NTS and LTS). Furthermore,
depending on the energy system dynamics, gas grid injection from power-to-gas may in fact complement the




Figure 2: Linepack data for the UK National Transmission System (NTS). (a) Hourly linepack over a two-week period
in 2018, including an extreme cold weather event; (b) Histogram of the daily linepack swing between 2013 and 2018. Data from
[6].
2.1.3. Other opportunities
An advantage of hydrogen injection into gas grids is the reduction in GHG emissions from the gas end-use.
Partial injection can achieve small GHG emissions reductions, although due to the lower energy density of
hydrogen (see section 2.2.1), emissions reductions are relatively small: for example, hydrogen injection of 20
vol.% reduces the GHG emissions of the final gas blend by only 7%.
Complete conversion of gas grids to hydrogen would eliminate GHG emissions at end-use (and potentially the
overall GHG emissions, provided the hydrogen was produced in a low-carbon manner). Therefore this option
is appealing for energy systems with a heavy reliance on gas distribution systems for heating in buildings.
The H21 project [46] is a proponent of this option, having designed and costed a plan for converting the gas
distribution system for the north of England, and subsequently the rest of the UK, to hydrogen.
There may also be wider infrastructure benefits to injecting hydrogen into gas grids. By allowing partial,
variable injection of hydrogen into gas grids, a guaranteed outlet for hydrogen is available for hydrogen
producers. This can help to overcome the “chicken-and-egg” problem, whereby there is little incentive to
develop hydrogen production facilities without any significant, reliable demand for the hydrogen. In this
scenario, it may be necessary to provide additional economic incentives for the injected hydrogen, such as
a feed-in tariff (FIT), to augment the relatively low price of gas [39]. Similarly, there may be opportunities
for hydrogen injection into gas grids in conjunction with wider hydrogen projects. The HyNet project in the
north-west of England, for example, proposes producing hydrogen from steam-methane reforming (SMR)
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with CCS, primarily for use in industry, but with the option to also feed some hydrogen into the nearby gas
grids [47].
2.2. Challenges for hydrogen injection
Despite the opportunities for hydrogen injection, there are several practical challenges that must be overcome
for hydrogen to be injected into existing natural gas infrastructures.
2.2.1. Pipeline energy delivery
Due to the differing thermophysical properties of hydrogen and natural gas, the pipeline energy delivery rate
of the two gases also differs. This affects both complete conversion of natural gas pipelines to hydrogen and
partial injection.
An expression for the energy delivery rate (i.e. the power, in MW) of gas in a pipeline is shown in equation
1:
H = unQn (1)
where H is energy delivery rate; un is the gas energy density at Standard Temperature and Pressure (STP);
and Qn is the volumetric flow rate at STP. The volumetric flow rate can be calculated using the general flow











where ρair is the density of air at STP; Tn and pn are the temperature and pressure at STP; p1 and p2 are
the inlet and outlet pressures; D is the pipe diameter; f is the friction factor; S is the gas specific gravity; L
is the pipe length; T is the gas temperature; and Z is the gas compressibility factor (the volume of the real
gas divided by the volume of a perfect gas at the same temperature and pressure).
Due to hydrogen’s low mass density, it has a low energy density compared to natural gas (3.0 kWh/m3 at
STP, compared to around 9.9 kWh/m3 for natural gas [41, 48]). However, as can be seen in equation 2, the
low mass density (i.e. low specific gravity S) means that hydrogen will achieve higher volumetric flow rates
than natural gas, for the same pressure drop. These factors are captured in the Wobbe number (WN), an





However, there are further factors that cause differences in the flow of natural gas and hydrogen in pipelines;
the most significant are the compressibility factor (Z) and kinematic viscosity (which influences friction
factor f) [26]. The interaction of these factors is complex and can depend on the absolute pressure level of
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Figure 3: Effect of hydrogen injection on natural gas pipeline energy delivery at three pressure levels. Calculated
by the authors using the general gas flow equation, assuming smooth pipe flow. See the supplementary material for more details.
the pipeline and the pipe geometry. Equations 1 and 2, in combination with approximations for parameters
such as the friction coefficient, can be used to estimate these effects [26, 50]. Calculations were performed
to estimate the reduction in pipeline energy delivery for increasing levels of hydrogen injection, assuming a
constant pipeline pressure drop. Full details of the calculations are provided in the supplementary material,
and the results are shown in Figure 3. The calculations assumed smooth pipe flow, which is reasonable
based on the flow regime and relatively low roughness of typical gas pipeline materials. Properties for pure
methane were used to represent natural gas; natural gas typically has a methane content in excess of 80
vol.% [51]. At up to around 50 vol.% injection, the behaviour is linear. Higher pressures worsen the reduced
energy delivery effect of hydrogen, primarily due to the lower compressibility of hydrogen at higher pressures.
For an 80 bar inlet, typical of a high pressure transmission pipeline, only around 64% of the energy can be
delivered with 100% hydrogen compared with 100% methane, assuming the same pressure drop.
The lower energy density of hydrogen also means that the linepack flexibility available from a pipeline
carrying hydrogen is lower than for natural gas. This effect is worsened at higher pressures by the lower
compressibility of hydrogen compared to natural gas. Usable pipeline linepack swing is dependent on pipeline
flow rate and the range in pressures over which the pipeline can be “swung”. The effect of hydrogen injection
on the available linepack flexibility of a natural gas pipeline was calculated, based on typical flow rates and
linepack swing ranges for the pressure levels modelled. These results are shown in Figure 4, and further
details can be found in the supplementary material. For a high pressure (80 bar) transmission pipeline,
available linepack flexibility with 100% hydrogen is only around 17% of the equivalent value with natural
gas. For a lower pressure (30 bar) pipeline, the available linepack flexibility is around 26%.
It may be possible to mitigate the poorer energy delivery and linepack performance of pipelines with hydrogen
injection by adjusting the operating conditions (i.e. increasing pressure levels). However, this will depend
on the practicality and safety of doing so.
2.2.2. Equipment operability
The differing properties of hydrogen also affect the usability of equipment on the gas grid and at end-use.
Compressor stations, for example, are used on high pressure transmission networks to drive the flow of the
gas. However, due to the considerably lower energy density of hydrogen, certain types of compressor are
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Figure 4: Effect of hydrogen injection on usable pipeline linepack flexibility. The energy content of a linepack swing
between two fixed pressures was calculated for increasing levels of hydrogen injection. The linepack swing pressures were chosen
to be representative of typical linepack swings for each pressure level. See the supplementary material for more details.
unlikely to be able to deliver a sufficiently high energy throughput using hydrogen and would need replacing
[15].
At the distribution level, metering the quantity of energy supplied to consumers becomes challenging when
hydrogen is injected partially and variably into gas supplies. Gas meters typically measure the volume of gas
consumed, with no measure of the calorific value, but with hydrogen-natural gas blends the energy delivered
per unit volume drops according to the amount of hydrogen present (cf. Figure 3). Thus, measuring volume
consumed alone is not sufficient to determine energy consumption. These problems are already arising with
increased levels of biomethane injection into gas grids, which also typically has a lower calorific value than
natural gas. Methods are being investigated for tracking the energy delivered to consumers with gas of
varying energy content, including through extensive measurement of gas calorific value throughout the gas
grid, and modelling-based approaches [52].
End-use appliances would also be affected by hydrogen injection, primarily through reduced heat input,
measured by the Wobbe index (equation 3), and flame speed. Various studies and testing programmes have
been performed on domestic and industrial equipment for both partial hydrogen injection (e.g. [53, 54]) and
complete conversion (e.g. [18]). It is likely that domestic equipment (e.g. natural gas boilers), could perform
as normal under partial injection, up to a given limit (e.g. around 20 vol.%), but these appliances would
need replacing for complete conversion to hydrogen [55].
Specialist industrial equipment such as gas turbines may be more sensitive to fuel composition, and therefore
require more consideration. However, it is technically possible to operate gas turbines with any level of
hydrogen-natural gas blend [56], and there are already many bespoke applications of turbines using hydrogen
globally [57]. NOx emissions may be an issue for combustion of 100% hydrogen, but this can be mitigated,
for example through water injection or lean pre-mixture combustion [58]. Beyond bespoke applications,
turbine manufacturers have indicated that they will be able to supply hydrogen turbines at scale by 2030
[59]. Meanwhile, existing equipment can be retro-fitted for hydrogen or replaced, depending on costs.
2.2.3. Further safety and practical issues
Hydrogen embrittlement is a process where hydrogen diffuses into the existing flaws in steel and iron
pipework, reducing the ductility of the material and increasing the likelihood of crack growth [29]. This
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is particularly a concern for the high-strength steels that are typically used in gas transmissions systems,
and moreover higher pressures are thought to worsen the effects of embrittlement [29]. However, embrit-
tlement is poorly understood, and various testing has found little or no reduction in performance of steel
pipelines as a result of hydrogen embrittlement [49]. Furthermore, there are softer steels that are suitable
for hydrogen at high pressures [49]. The literature is divided on the level of risk that embrittlement presents
[60]; options may exist for mitigating these risks through further investment, such as rigorous pipeline inspec-
tion, or even retrofitting pipelines with hydrogen-resistant liners [5, 49]. The lower pressures on distribution
systems mean that the risks of hydrogen embrittlement are lower. Furthermore, for lower pressures, more
materials exist that are not susceptible to hydrogen embrittlement, such as polyethylene. In the UK, for
example, much of the old hard steel and iron pipework on the distribution system is already being replaced
as part of the Iron Mains Replacement Program [61].
Volumetric losses of hydrogen by leakage through pipe walls are larger than for natural gas, however energetic
losses are lower, due to the lower energy density of hydrogen. Calculations have shown that volumetric losses
through leakage for a hydrogen pipeline should be less than 0.001% of throughput [15]. Although not well
understood, hydrogen is thought to behave as an indirect greenhouse gas, and it has been estimated that
it has a 100-year global warming potential of around 4.3 [62]. However, for the very low levels of hydrogen
leakage that would be expected, this would have a minimal overall global warming impact.
Certain properties of hydrogen raise concerns about the safety of using it as a replacement for natural gas.
For example, hydrogen has a wider flammability range than natural gas, and lower limiting oxygen for
combustion [49]. Partial mixing of hydrogen with natural gas would result in lower safety risks than use
of pure hydrogen. Various testing and studies have been performed to assess the safety of using hydrogen
in homes, including through the NaturalHy [17], GRHYD [63] and HyDeploy [54] projects. In the UK, a
project is currently underway as part of the Hy4Heat programme to establish a full safety case for the use
of 100% hydrogen in homes [18].
Some logistical issues arise when considering hydrogen injection, particularly for the case of partial injection.
At the transmission level, transmission networks span different regions, and feed a variety of users including
heavy industry, gas-fired power plants, and the local distribution networks. If hydrogen were to be injected
into these systems, all users on the system would have to receive the hydrogen-natural gas blend, when in
fact some facilities may require a “pure” natural gas feedstock. For example, in a high-hydrogen system, it
is possible that some hydrogen will be produced from reforming natural gas; these reformers would benefit
from the existing, unmodified natural gas transmission system.
In many countries, legislation would also have to be updated for hydrogen to be injected into gas grids.
Much existing legislation is out-dated, with arbitrarily low specifications for the allowable level of hydrogen
in the gas grid. In the UK, for example, the allowable limit is only 0.1 vol.%; in France the allowable limit
is 6 vol.%; and in the Netherlands it is 12 vol.% [39].
2.2.4. Costs
Upgrade and conversion costs for injecting hydrogen into gas grids are uncertain, as there is limited practical
experience of doing so. Nonetheless, some estimates have been made for the costs of injection equipment,
gas grid upgrades, and preparation of homes for partial or complete conversion of gas grids to hydrogen.
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A key argument for partial hydrogen injection is that limited upgrades would be required, meaning that
costs would be low. Therefore the primary costs for partial injection would be safety checks on existing
equipment, and installation of injection equipment. The HyDeploy project, demonstrating the feasibility of
hydrogen injection at up to 20 vol.% into a private gas network with a peak gas demand of around 25 MW,
estimate investment costs for site preparation of £655,000, giving an overall investment cost of around £26
per kW of gas grid capacity [54]. The injection equipment, including 500 kW electrolyser, is estimated at
£1,900,000. However, the HyDeploy project is a demonstration project, and it is likely that costs would be
lower at a larger scale. The HyNet project, which plans hydrogen production for a range of applications
including injecting hydrogen into the gas grid at up to 20 vol.%, plans four injection sites, each supplying a
peak gas demand of around 1400 MW [47]. Their estimated cost for each site is £5,000,000, meaning a cost
of around £3.60 per kW of gas grid capacity.
For complete conversion of gas distribution grids to hydrogen, network upgrades are more extensive. The
pipeline infrastructure would need to be surveyed and potentially upgraded to ensure that it is suitable
for carrying 100% hydrogen. Furthermore, it is likely that pipelines may need to be reinforced in order to
have sufficient peak energy delivery and linepack. However, arguably the injection and network monitoring
requirements may be lower in a system that uses an unvarying gas supply (rather than partial, variable
hydrogen injection). In the H21 project, in which the complete conversion of the gas distribution networks
of the north of England was planned, the total capital costs for the conversion of the 42 GW peak capacity
distribution system was estimated to be £143,000,000 [46]. This equals a conversion cost of £3.40 per kW
of gas grid, divided equally between network reinforcement costs and the costs for the sectorisation of the
network required to carry out the incremental switchover of the system. However, whilst this study includes
thorough analysis of the capacity of the networks, it does not apportion costs for the surveying and safety
checks of the pipelines, instead assuming that the ongoing Iron Mains Replacement Programme in the UK
will ensure that all pipes on the networks will be converted to polyethylene already.
Meanwhile, consumer equipment that uses natural gas (for heating and cooking in domestic, commercial
and industrial applications) would need at least upgrading and more likely replacing. Cost estimates for
replacing natural gas heating systems with hydrogen in homes range between £1000 and £4000 per home
[46, 55, 64, 65]. For non-domestic applications, costs vary significantly depending on the application, but
are estimated to be in the region of £200 to £800 per kW capacity [46, 66].
2.3. Summary
In summary, hydrogen injection into existing gas grids offers an opportunity to create a reliable demand for
hydrogen, which can help a larger hydrogen supply chain to develop whilst also reducing GHG emissions.
Furthermore, the extent and flexibility of gas grids mean that hydrogen injection can provide benefits to
the wider energy system, such as adding flexibility to the electricity system. However, the transport and
flexibility capacities of natural gas infrastructures will be reduced when carrying hydrogen.
There are some practical and technical issues for hydrogen injection, but there is growing evidence that these
can be overcome. Partial injection of hydrogen into gas distribution networks seems feasible and achievable.
In the longer-term, conversion of distribution networks completely to hydrogen is also likely to be feasible,
but this will be a much larger undertaking, due to the need to convert the majority of end-use equipment,
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including in homes. The feasibility of using existing high pressure transmission networks with hydrogen is
less clear, as the same practical issues tend to be more severe when operating at higher pressures. There are
also logistical reasons for keeping natural gas transmission networks in operation.
An alternative to using existing natural gas grids with hydrogen could be to build purpose-built hydrogen
infrastructures. Purpose-built pipelines for hydrogen transmission could be advantageous, as they would be
designed specifically for hydrogen, whilst existing natural gas pipelines would be kept intact. For distribution,
brand new networks could be built in certain applications, such as at new-build residential or commercial
sites, but it is unlikely to be realistic to build new distribution networks for existing buildings.
Importantly, building new hydrogen pipeline infrastructures will incur higher investment costs than con-
verting existing infrastructures. This is a particular advantage of using existing infrastructures, as they can
either be used partially (i.e. through partial injection) or converted gradually, meaning that infrastructure
costs will not significantly outweigh hydrogen demand in the early stages of development.
The main alternative to pipeline transportation for hydrogen is transportation on road, typically with trucks
carrying liquid or compressed gaseous hydrogen. This option is more straightforward at smaller scales, and
is much more logistically flexible, but it becomes more costly for larger hydrogen volumes and transportation
distances [67]. Furthermore, this option does not include the benefits of a steady hydrogen supply or gas
grid linepack.
A further advantage of purpose-built infrastructures (pipeline or road transport) is that it would be easier
to control hydrogen purity. Whilst hydrogen purity is less important for combustion, in fuel cell applications
(either stationary or in vehicles) high hydrogen purity is required, and re-purposed natural gas pipelines may
be unable to supply this [57].
3. Method
In order to explore the role of gas grids and hydrogen in helping to deliver low carbon energy systems, a
value chain optimisation model was developed of a national energy system. The Great Britain (GB) energy
system was chosen, as it represents a large sized energy system with heavy reliance on natural gas grids.
3.1. Model
The value chain optimisation was carried out using the Value Web Model (VWM), developed by Samsatli
and Samsatli [68]. In this study, the representation of resource transmission and distribution networks in
the VWM was extended. This included modelling of linepack storage on both the gas transmission and
distribution networks, and the ability to inject hydrogen into existing gas distribution grids. An overview of
the VWM is provided in section 3.1.1, and sections 3.1.2 to 3.1.4 describe the additions that were made to
the model in this work, including the new mathematical constraints. A reduced nomenclature, covering the
equations presented in this work, is provided in appendix B. The full model mathematical formulation and
nomenclature can be found in previous studies by Samsatli and co-workers (e.g. [68, 69, 70]).
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3.1.1. Overview of the Value Web Model
The VWM is a mixed integer linear programming (MILP) optimisation model that can be used to optimise
the value chains in an energy system. The model includes a variety of energy technologies and resources, and
has a spatio-temporal representation. Spatially, the model includes discrete zones (16 different zones in the
case of GB), each of which has its own resource availabilities and demands. Temporally, the model represents
time intervals at four different scales: sub-day intervals can represent the hourly variability in demands and
availabilities of resources; day-type intervals can be used, e.g. for different demand profiles on weekdays and
weekends; seasonal intervals are used to represent difference in resource demand and availability throughout
the year; and finally long-term planning intervals are included for long-term changes in demands as well as
long-term technology investment decisions.
An illustration of the structure of the VWM is provided in Figure 5. The model includes availability of
primary resources (e.g. natural gas, solar and wind, shown in circles in Figure 5). These resources can be
converted to other resources within the energy system via conversion technologies (shown as rectangles).
Different types of conversion technologies exist, including those that directly utilise primary resources (e.g.
wind turbines and solar PV), general “industrial” conversion technologies (e.g. electrolysers and gas turbines),
distribution technologies (e.g. gas and electricity distribution networks), and domestic and commercial tech-
nologies that utilise these distributed resources. All of the resources included in the VWM are shown in
Figure 5 (as circles); all of the resource conversions are represented with arrows connecting resources to
technologies. Each technology may consume or produce more than one resource; key parameters for each
technology are defined, including costs, rates of resource conversion (i.e. efficiency), and maximum operating
rates. In addition to the description provided here, more information about the technologies and resources
included in the VWM can be found in the associated Data in Brief article [71], which provides an overview
of all of the model input data used in this study.
Many resources are included in different forms within the VWM, so that the associated processes can be
modelled. For example, CO2 is represented as “emitted”, “captured” and “stored”, with conversion technolo-
gies to convert between each of these states. Similarly, natural gas and hydrogen are both represented at
“low pressure” (i.e. transmission-level pressure), “high pressure” (for storage at around 200 bar), and as a
“distributed” gas. Distribution technologies are included in the VWM for the first time in this work. Dis-
tribution technologies are a subset of conversion technologies, that convert “centralised” resources such as
electricity or gas from the transmission system to “distributed” resources to be used in homes and businesses.
These technologies have a fixed size, representative of a portion of the distribution network, but multiple
instances of the technology can be installed within one zone. In this way, the costs and constraints of distri-
bution infrastructures are included. Representation of gas distribution networks includes the linepack storage
capacity of these networks and the ability to inject hydrogen (either partially or as a complete conversion).
More details of this modelling are provided in section 3.1.3.
Some resources may have demands associated with them that must be satisfied; in this study, demands for
electricity and heat are included. Heat demands are separated into three groups: domestic heat, commer-
cial heat (including low-temperature industrial heat), and high temperature industrial heat. This allows
representation of the different types of heating technologies that exist, such as domestic boilers in homes,
commercial heating for larger buildings, and specialised equipment for industry (e.g. furnaces). Heat from
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commercial heating can also be delivered to homes (i.e. converted to domestic heat) via a heat network (a
distribution technology).
Two separate spatial zones are depicted in Figure 5. Conversion and storage technologies can be built in
each zone, and transportation technologies exist that can move resources between zones (e.g. electricity
transmission and gas pipelines, shown with hexagons in Figure 5). Some transportation technologies include
storage capacity, to represent linepack; more details of this are provided in section 3.1.2. Specific storage
technologies are also modelled (e.g. pressure vessels and underground storage, shown with pentagons in
Figure 5), and resources can be loaded into storage, to be extracted during a later time interval.
All technologies have impacts associated with their installation and operation, such as costs and environmen-
tal impacts. The model is able to determine the optimal configuration of technologies (e.g. when and where
they should be built), and how these technologies should be operated, in order to satisfy the final energy
demands. The objective function to optimise can be cost-based (e.g. minimise overall system cost), or can
take into account other objectives. In addition to the numerous constraints in the VWM that ensure that
resource flows are in balance and that technologies operate within their feasible limits, further constraints
can be included such as limits on GHG emissions.
3.1.2. Gas transmission
“Transmission” is used to refer to the high pressure pipelines that transport gas around the country; in the
VWM, this equates to transportation of gas between the discrete spatial zones of the model. To represent
the storage and transportation capability of gas transmission systems, a single technology type (“national
infrastructure”) is defined for all spatial zones in the model. This is modelled as a single storage technology
for the whole of GB (or whichever country or region is being modelled) that allows any zone connected to it
(via pipelines) to inject or withdraw resource, as shown in Figure 6. Thus transmission occurs by injecting
resource from one zone and withdrawing from another; linepack is increased if the total (over all zones)
rate of injection of resource is greater than the total rate of withdrawal. Therefore the constraints required
to model gas transmission with linepack storage are the same as those for regular storage technologies, as
presented by Samsatli and Samsatli [68, 72, 73], with the following differences: there is a single inventory of
stored resource (independent of zone) and a single associated "hold" task; and there is a "put" and "get"
task for each zone connected to the transmission network, allowing each zone to inject and withdraw resource
from the network. The constraints for the transmission network with linepack storage are described below.
The net flow of resource (i.e. gas) out of the transmission infrastructure, into each spatial zone is tracked














∀r ∈ R, z ∈ Z, h ∈ H, d ∈ D, t ∈ T, y ∈ Y
Lzrhdty is the net flow of resource from the transmission infrastructure l into a zone z. The net flow is
negative if resource is being added to the transmission system (linepack increased), or it is positive if the
linepack is being depleted. Different zones may be adding or removing resource from the transmission
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Figure 5: Representation of resources and technologies in the Value Web Model. Different resource types include
primary resources, general energy system resources, and distributed resources. Demands may be included for any of these
resources. Various technology types exist that convert between these resources. Conversion technologies include “industrial”
technologies for converting between resources, “distribution” technologies for delivering resources to the consumer, and final con-
sumption technologies such as domestic and commercial heaters. Also represented in the model are transportation technologies
(including transmission pipelines with linepack), and storage technologies. Two spatial zones are shown in this diagram.
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Figure 6: Representation of gas transmission systems in the Value Web Model. Pipelines (green lines) can be built in
any zone, connecting the zone to the national transmission system. Any zone with a connecting pipeline can inject or withdraw
gas from the system. Multiple pipelines can be built for increased injection and withdrawal rates. The overall storage capacity
of the system (linepack) is determined by the total number of pipelines built.
infrastructure at one time, allowing for transportation of resource between zones. The “put” and “get” tasks
are used to model costs and energy requirements associated with adding resource to the infrastructure and
taking from it, respectively. Each of these tasks has a conversion factor, λ?lrfy (? ∈{put, hold, get}), which




lzhdty) to give the flow rate
of the resource into and out of the transmission infrastructure. The “hold” task represents the maintenance
of resource in storage (i.e. the linepack in the whole network), as described later and seen in equations 7 to
9. The set of linepack transmission infrastructures in the model (l ∈ L) includes natural gas transmission
infrastructures and hydrogen transmission infrastructures (other transmission systems, without linepack, are
modelled separately). The other sets shown in equation 4 represent the set of resources (r ∈ R, including all
of the resources shown in Figure 5), set of spatial zones (z ∈ Z), and various time intervals. Definitions of
each of these sets are provided in the nomenclature in appendix B.
The operation rates of the “put” and “get” tasks can vary in time (indicated by the h, d, t and y indices
representing hourly, day-type, seasonal and annual time intervals, respectively), and are also dependent on
the spatial zone, z. Pipelines must be built in a zone for it to be connected to the national infrastructure.
Each pipeline has a fixed maximum transportation rate, which determines the rate at which the resource can
be injected into or withdrawn from the transmission system (denoted by lput,maxl and l
get,max
l respectively).
Multiple pipelines can be built in a given zone in order to increase the withdrawal/injection rate. Thus, the
maximum rate at which resource can be transferred between the transmission infrastructure and a spatial
zone is given as follows:




l alz ∀l ∈ L, z ∈ Z, h ∈ H, d ∈ D, t ∈ T, y ∈ Y (5)




l alz ∀l ∈ L, z ∈ Z, h ∈ H, d ∈ D, t ∈ T, y ∈ Y (6)
Where NLlzy is the number of pipelines built connecting zone z to the transmission system l and alz is a
parameter that can be set to 0 or 1 to specify whether a zone may connect to the transmission system.
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The number of pipelines built in all zones also determines the overall storage capacity of the transmission
infrastructure (this will be defined and explained later, in equation 18).
In reality, gas transmission systems are complex, spanning a varied landscape with a range of different
pipeline lengths, diameters and operating regimes. The approach used here, in which each pipeline has
the same diameter, length, maximum flow rate and linepack flexibility, is a simplification. For example,
this representation assumes that all zones can connect to the same transmission system for the same cost,
regardless of distance from the remainder of the transmission system. However, this approach enables
modelling of both the storage and transportation capabilities of a gas transmission system with minimal
complexity. Furthermore, with appropriate data assumptions, the overall operating regime of the system
(e.g. maximum transportation rates and linepack swing) can be modelled accurately.
A series of equations are used in the VWM to manage the overall linepack inventory of the transmission























∀l ∈ L, h ∈ H, d ∈ D, t ∈ T, y ∈ Y
The rate of operation of the “hold” task is defined as the current linepack level divided by the length of the
time interval:




1 ∀l ∈ L, d ∈ D, t ∈ T, y ∈ Y (8)
L holdlhdty = Jl,h−1,dty/n
hd
h ∀l ∈ L, h > 1 ∈ H, d ∈ D, t ∈ T, y ∈ Y (9)
The daily linepack “surplus” is the change in linepack inventory between the first and last hourly intervals
of the day type d:
∆dldty = Jl,|H|,dty − J
0,sim
ldty ∀l ∈ L, d ∈ D, t ∈ T, y ∈ Y (10)
The surplus for a week in season t is then calculated from the sum of the daily surpluses of each day type d






d ∀l ∈ L, t ∈ T, y ∈ Y (11)







t ∀l ∈ L, y ∈ Y (12)
A constraint is also included to keep the linepack over one year stationary (i.e. no yearly linepack surplus
or deficit; this could also be applied on a shorter timescale if required):
∆yly = 0 ∀l ∈ L, y ∈ Y (13)
The linepack inventory must be tracked to ensure that it does not exceed or fall below its allowable operational
levels, and so that the impacts (e.g. costs) and resource requirements of holding linepack inventory are
correctly accounted for. However, rather than explicitly calculating the inventory based on resource flows for
each hourly interval of the entire time horizon, the total impacts and resource requirements can be calculated
from the “average” inventory profile for each day type, season and yearly period. The “average” inventory
profile that will give the same overall impacts and resource requirements as the full inventory profile is
calculated from the initial linepack inventory at the beginning of each new time interval type, J0,actldty , and


















∀l ∈ L, d ∈ D, t ∈ T, y ∈ Y
The initial linepack inventory for each new time interval type is calculated from the linepack at the beginning
of the previous time interval type, plus the linepack surplus accumulated over the course of the previous





















l,y−1 ∀l ∈ L, y > 1 ∈ Y (17)
Finally, constraints are included to ensure that the linepack inventory always remains within its operational
limits. The maximum and minimum allowable linepack inventories for the entire transmission system are
the upper and lower bounds of the following equation, and are calculated from the maximum and minimum
allowable inventories for a single pipeline, and the total number of pipelines installed in all zones. Due to
the repeated time intervals within each time interval type (e.g. repeated days within a week), the maximum
and minimum linepack inventories will always occur in the first or last interval of an interval type. Therefore
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only these intervals need to be constrained. The first and last intervals of each day, season and planning
period each must be constrained, resulting in 8 different constraints, which is then doubled to 16 to account
for both the lower and upper bounds on the linepack inventory. These 16 constraints are shown in shorthand



















∀l ∈ L, h ∈ H, d ∈ D, t ∈ T, y ∈ Y
As with all technologies installed in the model, the total number of pipelines installed in a given zone z in a
given planning period y is tracked based on the number of pre-existing pipelines, NELlz ; number of pipelines






NELlz +NILlzy −NRLlzy ∀l ∈ L, z ∈ Z, y = 1NELlz,y−1 +NILlzy −NRLlzy −NRELlzy ∀l ∈ L, z ∈ Z, y > 1 (19)
The number of pipelines retired is calculated from the technical lifetime of the pipeline.
For the practical reasons described in section 2.2, injection of hydrogen (either partial or complete conversion)
into existing natural gas transmission pipelines was not modelled as an option. Instead, separate hydrogen
transmission pipelines must be built. These have the same linepack capabilities as the equivalent natural
gas system (although with lower energy throughput and storage).
3.1.3. Gas distribution
“Distribution” is used to refer to the delivery of gas from centralised locations such as storage facilities or the
transmission system to the homes and businesses that use it for heating. Hydrogen distribution networks
have previously been modelled in the VWM (e.g. [69, 74]) but this work is the first time that electricity and
natural gas distribution networks have also been modelled. More importantly, the linepack capability of the
natural gas and hydrogen distribution networks has now been modelled, as well as hydrogen injection into the
natural gas distribution network and the option to convert to pure hydrogen networks. In order to represent
both the delivery of gas to consumers and the storage capability (linepack) of distribution systems, they are
represented in the model by a conversion technology coupled to a storage technology. An illustration of how
these networks are represented is shown in Figure 7. Figure 7(a) shows the modelling of a conventional gas
distribution grid (with linepack), whilst Figures 7(b) and 7(c) show operation with partial hydrogen injection
and complete conversion to hydrogen, respectively.
All conversion technologies in the model, including for distribution technologies and other conversion tech-
nologies such as gas turbines or electrolysers are governed by the following constraint, defining the net rate
of production (or consumption) of resource r:
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(a) (b) (c)
Figure 7: Representation of gas distribution networks in the model. (a) Standard natural gas distribution grid,
including conversion of “centralised” gas to “distributed” gas, and storage (linepack) capacity of the grid; (b) Partial hydrogen




Ppzhdtyαrpy ∀r ∈ R, z ∈ Z, h ∈ H, d ∈ D, t ∈ T, y ∈ Y (20)
where Przhdty is the net resource production rate, Ppzhdty is the operating rate of the technology and αrpy is
a conversion factor that defines the rate of conversion between resources. For gas distribution networks this
represents a conversion of 1 MWh of “centralised” gas to 1 MWh of “distributed” gas and can also include
other resource requirements, such as electricity requirements for the process.
All conversion technologies, including distribution networks, come in pre-defined sizes in the model, but
several of these technologies can be installed in one zone in order to increase the maximum overall operating
rate. Hence, the overall operating rate of a technology type p in a zone z is constrained by upper and lower




p ≤Ppzhdty ≤ NPCpzypmaxp ∀p ∈ P, z ∈ Z, h ∈ H, d ∈ D, t ∈ T, y ∈ Y (21)
The total number of conversion technologies installed in a zone is tracked in the same manner as for the
linepack technologies, as shown in equation 19. With this representation, all of the costs, efficiencies and
operating rates of the gas distribution grid are represented in the model. As shown in Figure 7(a), in order to
represent the gas distribution grid linepack, a storage technology is coupled to the conversion technology. In
general, storage technologies are modelled in a similar manner to the linepack technology constraints shown
in equations 4 to 19, except that separate storage technologies can be built in each zone, rather than only
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one national infrastructure, and the zones can only have access to their own storage technologies (rather
than any zone that is connected to the national infrastructure). For the full mathematical formulation for
storage technologies, refer to [68, 69].
The storage technology representing distribution grid linepack has zero cost (this is included in the conversion
technology), but represents the storage capacity of the distribution grid. The storage capacity of each portion
of distribution grid was determined based on UK data for the overall linepack capacity of the gas distribution
system [43], and estimates of the peak delivery rate of the distribution system from National Grid data [6].
Distribution grid conversion and storage technologies must always be installed together, therefore a constraint
is included that the number of each is equal:
NSszy = N
PC
pzy ∀s ∈ SDist, z ∈ Z, y ∈ Y, p ∈ PDist, SPsp = 1 (22)
where SPsp is an association parameter that is equal to 1 where a storage technology is associated with
a conversion technology (i.e. the corresponding storage and conversion technologies for the distribution
network in question), and equal to 0 otherwise.
This representation is available for both natural gas distribution networks and for hydrogen distribution
networks (if the model chooses to build these). Additionally, hydrogen injection into existing natural gas
networks is modelled. Two options for injection of hydrogen into gas grids are modelled: partial, variable
injection up to a level of 20 vol.%, or complete conversion of networks to hydrogen.
Figure 7(b) illustrates how partial hydrogen injection is represented in the VWM, using a conversion technol-
ogy that converts natural gas and hydrogen in a fixed ratio (80:20 by volume / 93:7 by energy) into the same
“distributed” gas that a typical natural gas distribution grid converts natural gas into. This technology can
operate at a variable rate, alongside existing gas distribution grid technologies, so that the average hydrogen
injection rate in the zone is determined by the relative operating rates of the technologies.
Figure 7(c) illustrates how complete conversion of a portion of gas distribution grid to hydrogen is represented
in the VWM, using a new conversion technology that, similar to a new hydrogen distribution grid, converts
“centralised” hydrogen to “distributed” hydrogen. However in this case, a “complete conversion” technology
replaces an existing conventional gas distribution technology, (i.e. the section of gas distribution grid has
been switched from natural gas to hydrogen and cannot be switched back). A constraint is included to ensure
that the number of “complete conversion” technologies installed cannot exceed the number of conventional
gas grid technologies already installed:
NPCHIGG−CompleteConversion,zy ≤ NPCNGDistributionGrid,zy ∀z ∈ Z y ∈ Y (23)
Finally, a constraint is required to ensure that the overall peak capacity of the gas distribution grid in a given
zone is modified based on the number of partial hydrogen injection and complete conversions carried out.
Converting a portion of the distribution grid to hydrogen reduces the total capacity for delivering natural
gas. Meanwhile installation of a “partial injection” technology does not increase the peak capacity of gas
delivery. Therefore, a constraint specifies that the overall operating rate of all conventional gas distribution
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and partial hydrogen injection technologies in a zone does not exceed the maximum allowable operating rate
of the remaining gas grid (that has not undergone complete conversion to hydrogen).
∑
p∈PHIGG
Phpzhdty ≤ (NPCNGDistributionGrid,zy −NPCHIGG−CompleteConversion,zy)pmaxNGDistributionGrid (24)
∀z ∈ Z, h ∈ H, d ∈ D, t ∈ T, y ∈ Y
Representing partial injection into the distribution grid and conversion of the distribution grid to 100%
hydrogen as “partial injection” and “complete conversion” conversion technologies enables the optimisation
to choose where and when these decisions may take place, taking into account the costs and other impacts
of doing so.
3.1.4. Further additions
Electricity distribution networks were also included in the VWM. They are modelled by only a conversion
technology as the electricity network has no linepack storage equivalent. Solar power was also included in
the VWM for the first time in this work. Solar irradiance is included as a time-varying natural resource and
solar PV technologies can be built to utilise this resource. Both rooftop and solar farm PV units can be
installed, and have costs, efficiencies, and land footprint constraints associated with them.
3.2. Scenarios
In this study the VWM was applied to the GB energy system, as this represents a medium-sized energy
system with an extensive gas grid, multiple energy resources (including wind, solar, nuclear, and natural
gas), and stringent decarbonisation targets. The resources and technologies included in the optimisation are
shown in Figure 5. The complete set of model input data used in this study, including resource availabilities
and demands, and technology costs and operating data, can be found in the associated data article [71]. The
optimisation objective was to satisfy overall demands for heat and electricity, including domestic, commercial
and industrial demands, to maximise overall system net present value (NPV).
Table 1 provides a summary of the scenarios that were studied. Scenarios in both 2020 and 2050 were
considered. In the 2020 scenarios, the present-day potential for partial hydrogen injection into the gas grid
was investigated, including the effect of FITs incentivising the injection of hydrogen into the gas grid. For
the 2050 scenarios, first the effects of different decarbonisation targets on the optimal energy system were
assessed. Following this, the role of hydrogen in the optimal 2050 energy system was considered, focussing
on the conversion of gas grids to hydrogen. The results and further details of these scenarios are provided
in sections 4.1, 4.2.1 and 4.2.2.
Each of the 53 scenarios in Table 1 includes around 133,000 constraints and 77,000 variables, of which over
900 are integer variables. The optimisation was performed on a workstation with 10 cores and 128 GB
RAM. Each scenario took up to three hours to solve with an optimality tolerance of 2%. Choices in scenario
design will always be subject to some trade-offs with computational capability. For example, the size of
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Table 1: Details of the scenarios modelled.
Time horizon Issues explored Number of scenarios modelled
2020 Partial hydrogen injection 33
2050 Effect of CO2 emissions targets 6
2050 Conversion of gas grids to hydrogen 14
the problem, hence the computational effort required, quickly scales up with the number of spatial zones or
time intervals. The spatio-temporal resolutions used in the scenarios in this paper represent a good balance
between achieving sufficient detail to answer the research questions posed without becoming computationally
intractable.
4. Results: the role of hydrogen and gas grids in Great Britain
4.1. Opportunities for partial hydrogen injection today
A number of scenarios were modelled, exploring the role that hydrogen injection could have in the present
day energy system, based on a hydrogen FIT incentivising injection into the gas grid. This tariff acts as
a financial reward for every MWh of hydrogen that is injected partially into the natural gas distribution
grid. Scenarios with FITs in the range of £0/MWh to £100/MWh were modelled. In order to carry out
hydrogen injection, the injection equipment must be installed and relevant safety checks carried out; the
costs of carrying out these upgrades were included in the capital cost of the “partial injection” technology.
In the central case, these costs were assumed to be £3.60 per kW of gas distribution grid capacity, based on
estimates from the HyNet project [47]. Sensitivity scenarios for these costs were also modelled, with upper
and lower cost estimates of £7.20 and £1.80 per kW of grid capacity, respectively.
4.1.1. Effect of feed-in tariff on hydrogen uptake
Figure 8 shows the average level of partial hydrogen injection across the whole gas grid distribution network in
each of the optimisation scenarios described above. As expected, higher FITs incentivise increased hydrogen
injection. The upper limit for injection in these scenarios is 20 vol.%, which is a technical constraint based on
the issues discussed in section 2. For higher levels of injection, the grid must be converted to 100% hydrogen,
which would incur further costs and is not supported by a FIT in these scenarios.
In scenarios with FITs of up to £20/MWh, very low levels of hydrogen are injected (less than 1 vol.% on
average across the whole system). With no FIT in place, annual injection is 0.1 TWh/yr, rising to 1.0
TWh/yr in the case with a FIT of £20/MWh. In these scenarios, hydrogen is only a small part of the wider
energy system, and all hydrogen is produced from power-to-gas.
Figure 9 (left) shows a map of the hydrogen-related technologies installed in the scenario with a FIT of
£20/MWh. Electrolysers are installed in only four zones and are accompanied by some pressure vessel
hydrogen storage. Hydrogen is mostly produced overnight, when excess electricity is available. Although
the gas grid linepack allows for some flexibility, the storage vessels are installed so that hydrogen injection
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Figure 8: Rate of partial hydrogen injection into the gas distribution grid in scenarios with a range of hydrogen
feed-in tariffs and upgrade cost assumptions. The average level of injection is the average across the entire gas distribution
system. 20% injection in volume terms is equal to 7% in energy terms.
can be maximised throughout the day. Almost all hydrogen (96%) is injected into the gas distribution grid
and the remainder is used directly for heating, for example in industrial plants that are connected directly
to the hydrogen production or storage facilities.
With FITs of £30/MWh and above, there is sufficient incentive to build SMR plants, leading to a much
larger scale of hydrogen production and higher levels of injection into the gas grid. However, the cost of
injection also depends on the variability of gas demand and the flexibility of hydrogen supply. In the case
with a FIT of £30/MWh, SMR plants are operated consistently throughout the year, producing a steady
supply of hydrogen. This means that hydrogen injection is maximised (20 vol.%) at times of low gas demand,
but much lower at times of high gas demand, resulting in an average injection rate of around 10 vol.%. To
achieve higher average levels of injection than 10 vol.%, additional infrastructure (in particular hydrogen
storage) must be installed to provide more hydrogen supply flexibility. This increases costs, so that higher
levels of FIT are required to make it worthwhile. With a FIT of £50/MWh, average hydrogen injection
across the whole system exceeds 17 vol.%, and the majority of the network has been upgraded for hydrogen
injection.
Details of the hydrogen system design in the case with a FIT of £50/MWh case are shown on the right of
Figure 9. In this case, hydrogen is produced entirely by SMR with CCS. SMR plants are built in two locations,
each with offshore CO2 storage. A national hydrogen transmission system is established, connecting most of
the country, and hydrogen is injected into the existing gas distribution system in all zones that are connected
to this transmission system. With an established hydrogen infrastructure, hydrogen is also used to provide
some flexibility to the electricity sector: hydrogen is extracted from storage at times of low electricity supply,
and converted to electricity in fuel cell plants. Overall, 80% of hydrogen is injected into the gas distribution
grid, 15% is used in fuel cells for power, and the remainder is used for other heating applications such as
industrial use.
Finally, the effect of the grid upgrade cost assumptions for hydrogen injection can be seen in Figure 8. With
upper bound cost estimates, a greater incentive for hydrogen injection is required (a FIT of approximately
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Figure 9: Maps of the hydrogen-related technologies installed in two present-day scenarios with partial hydrogen
injection. The map on the left shows details of the power-to-gas based system arising in the case with a feed-in tariff of
£20/MWh; the map on the right shows details of the SMR based system arising in the case with a feed-in tariff of £50/MWh.
Only hydrogen-related technologies are shown: further technologies that are not shown in the figure include the existing natural
gas transmission system and electricity generation technologies such as wind turbines and natural gas power plants. The
numbers shown represent the total installed capacity of the technology in each zone.
£10/MWh more is needed to achieve a similar level of hydrogen injection). However, lower bound upgrade
cost assumptions have little influence on the overall level of hydrogen injection.
4.1.2. Cost of hydrogen and impact on consumer bills
Figure 10 shows the levelised cost of hydrogen in the gas grid for the scenario with a FIT of £20/MWh and
the scenario with a FIT of £50/MWh. These costs represent the average cost of all hydrogen injected into
the gas grid. This cost is not equal to the FIT, primarily because the “optimal” level of injection for a given
FIT will be driven by the marginal cost of injection (rather than the average cost), but also because of other
factors such as the profitability of alternatives, such as injection of natural gas.
The costs of grid upgrades contribute a relatively small amount to the overall cost of hydrogen in the gas
grid. In both cases, less than 3% of the cost of hydrogen in the gas grid is attributed to gas grid upgrades
(based on the central cost estimates). In the £50/MWh case, in which hydrogen is produced from SMR,
over half of the hydrogen cost is the cost of the natural gas feedstock. In the £20/MWh case, in which the
hydrogen is produced from power-to-gas, electricity cost is not included in the levelised hydrogen cost. Most
of the hydrogen in this scenario is produced overnight, from “excess” electricity which can be assumed to
have a low or even zero cost. Although Figure 10 shows that the hydrogen from power-to-gas has a lower cost
than hydrogen from SMR in these scenarios, only a limited amount of excess electricity is available for this
power-to-gas. Larger scale power-to-gas would have to compete with other demands for electricity, therefore
increasing the levelised hydrogen cost. Consequently SMR becomes the preferred (lowest cost) hydrogen
production option as the scale of production increases.
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Figure 10: Levelised cost of hydrogen injected into the gas distribution grid for hydrogen produced from power-
to-gas and hydrogen produced from SMR (with CCS). Costs shown are with baseline injection cost assumptions. The
power-to-gas case is taken from the scenario with a feed-in tariff of £20/MWh, and the electricity price is not included. The
SMR case is taken from the scenario with a feed-in tariff of £50/MWh.
These results suggest that partial hydrogen injection into gas grids is possible in present day energy systems
and that hydrogen FITs in the range of £20-£50/MWh would help to establish hydrogen production and
transmission infrastructures. Whilst no hydrogen FITs currently exist in the UK, FITs for biomethane
injection are available in the range of £22-49/MWh [75]; Figure 8 suggests that a similar level of incentive
for hydrogen injection would be sufficient.
The total annual costs of the FIT payments are £21m in the £20/MWh scenario and £1233m in the
£50/MWh scenario. If these costs were to be funded by consumer gas bills, the average consumer’s an-
nual bill would increase by around £1 in the £20/MWh scenario and by £46 in the £50/MWh scenario1.
Once these infrastructures are established, opportunities arise for hydrogen in other sectors, such as direct
heating in specialist applications and providing flexibility to the electricity system by converting stored
hydrogen to electricity at times of peak demand.
4.1.3. CO2 impacts of partial hydrogen injection
The CO2 emissions reductions resulting from partial hydrogen injection are small compared to the CO2
emitted elsewhere in the system (predominantly in the combustion of natural gas for heating and electric-
ity production). In the £20/MWh case presented above, hydrogen injection reduces gas distribution grid
emissions by 0.1%, but this is offset by increased natural gas usage elsewhere. In the £50/MWh case, the
overall reduction in emissions across the whole system compared to the case with no hydrogen injection is
2.3%. In the modelled scenarios, power-to-gas hydrogen should in theory offer greater emissions reductions
because it is powered mostly by excess wind and therefore has a near-zero CO2 footprint. Meanwhile SMR
hydrogen has a footprint of around 50 kgCO2/MWh, due to the uncaptured emissions and upstream natural
gas production emissions. However, the availability of excess renewables for power-to-gas is small, so this
hydrogen production route does not offer emissions reductions at any significant scale.
4.2. Outlook for hydrogen and gas grids in 2050
In order to assess the long-term potential for hydrogen in gas grids, the GB energy system in 2050 was
considered, taking into account GHG emission reduction targets. Emissions reduction targets can be imposed
1Based on an average consumer using 15,000 kWh of gas per year [76].
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in the VWM using a constraint on total allowable emissions. The effect of different emissions constraints
on the scenario results is determined in section 4.2.1. Subsequently, in section 4.2.2, the role of hydrogen in
these scenarios is considered in detail.
4.2.1. Long term decarbonisation and the effects of emissions reduction targets
The UK has recently committed to achieving net-zero GHG emissions by 2050 [77]. However, a major
challenge for achieving a net-zero target is the “unavoidable” emissions associated with fossil fuels. For
example, even for processes with CO2 capture, the rate of CO2 capture rarely exceeds 90% [78, 79]. In some
cases, higher rates of capture can be achieved, but this comes with a significant energy penalty [46, 80].
Furthermore, there are emissions associated with the upstream production of fossil fuels that are hard to
avoid: for example, natural gas production can have GHG emissions of around 0.013 tCO2 (equivalent) per
MWh of natural gas produced [81]. These emissions could be avoided if fossil fuels were removed from the
energy system altogether, however this would be a major challenge for the present day fossil-based system,
especially by 2050.
These “unavoidable” GHG emissions are likely to mean that a “net-zero” emissions target will require negative
emissions technologies (NETs), environmental restoration such as afforestation, and/or international CO2
trading. The contribution that these options could make in the future is uncertain: the Royal Society
and Royal Academy of Engineering estimated a maximum technical potential in the UK in 2050 of 130
MtCO2/yr, including 50 MtCO2/yr from biomass energy CCS (BECCS) and 25 MtCO2/yr from direct
air CCS (DACCS) [82]. In the Net Zero scenario in the National Grid Future Energy Scenarios, BECCS
contributes 37 MtCO2/yr in 2050 [83], whilst Daggash et al. model contributions from BECCS of up to 51
MtCO2/yr and DACCS of up to 19 MtCO2/yr [84].
As the focus of this study is on whether and how to utilise hydrogen in natural gas networks and not on
which particular NETs could or should be employed, the scenarios considered in the section do not include
any negative emissions technologies. However, to evaluate when the use of NETs becomes beneficial, the
CO2 emissions targets are progressively made more stringent in each scenario until a final target of zero
emissions is reached. The marginal costs of meeting each additional target are calculated and thus it can
be seen at which point further investment in and modification of the natural gas/hydrogen networks is less
economical than employing NETs, based on their typical costs per tonne of CO2 abated.
Figure 11 shows results from these scenarios, including the overall system cost and technologies used for
electricity, heat and hydrogen production in each scenario. The electricity mix remains similar in all low-
carbon scenarios, relying mainly on nuclear and wind power, although total electricity production grows
from 460 TWh/yr in the 40 MtCO2/yr scenario (representative of an 80% reduction in emissions from 1990
for the sectors modelled) to 662 TWh/yr in the zero-carbon scenario.
The increase in electricity production shown in Figure 11(a) is to provide heating, which is increasingly
switched from natural gas to electricity. Whereas natural gas is used for 82% of domestic heating in the
scenario with unlimited emissions (cf. section 4.1), this is reduced in each of the lower carbon scenarios and
by the 10 MtCO2/yr scenario natural gas is no longer used for domestic heating. In this scenario, almost all
domestic heating is provided by electric heat pumps, except for 1% of heating that is provided by hydrogen




Figure 11: Results from optimisation scenarios for 2050, with a range of allowable CO2 emissions limits. (a)
Electricity production; (b) Heat production; (c) Hydrogen production; (d) Annualised overall system cost.
Hydrogen has a role in these scenarios, without any specific incentives such as feed-in tariffs. The main use
for hydrogen in these scenarios is in industrial heating, although hydrogen usage reduces with increasing CO2
stringency. This is due to the unavoidable emissions associated with SMR, which is the cheaper hydrogen
production option. Although increased production of hydrogen from electrolysis counteracts this to some
extent, overall hydrogen production still reduces. The reasons for the preference to electrify heat rather than
use hydrogen are discussed in section 4.2.2.
The system becomes increasingly more expensive with lower CO2 emissions limits and the marginal cost
of emissions reductions increases as the “easiest” emissions are eliminated first. Whilst reducing the overall
system emissions from 40 MtCO2/yr to 20 MtCO2/yr costs on average £138 /tCO2, reducing emissions from
20 MtCO2/yr to 10 MtCO2/yr costs £158 /tCO2, and from 10 MtCO2/yr to 5 MtCO2/yr costs £259 /tCO2.
From the increasing costs of the scenarios with more stringent emissions reduction targets, there is likely to
be an optimal level of emissions that would be mitigated at a lower cost through negative emissions options.
Estimates for the costs of negative emissions options such as NETs exceed £100 /tCO2, and often more than
£200 /tCO2 [82]. Therefore, from the above scenarios, applying an emissions limit between 5 MtCO2/yr
and 20 MtCO2/yr would provide the most pragmatic energy system design, with the remaining emissions
reductions being achieved more cost effectively through negative emissions options. A detailed assessment
of the actual NETs required is beyond the scope of this paper, as the focus is on the usefulness of HIGG.
4.2.2. Hydrogen injection into the gas grid in 2050
As the scenarios in section 4.2.1 show, the main alternative to converting gas grids to hydrogen is electrifica-
tion of heating. There are many advantages and disadvantages of each of these options; in this optimisation
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Table 2: Cost assumptions for investment in electrification of heating and conversion of gas grids to hydrogen. The central
assumptions for 2050 are shown.
Electrification Conversion of gas grids to hydrogen
Investment Cost Ref. Investment Cost Ref.
Expansion of electricity
distribution infrastructure (cost
per kW of new grid capacity)
£650 [64] Conversion of existing gas
distribution grids to hydrogen
(cost per kW of grid converted)
£3.40 [46]
Installation of domestic heat pump
and new heating system
£3,600 [65] Installation of hydrogen boiler and
heating system
£2,400 [55, 65]
study, the choice is driven primarily by cost and emissions. In this section, these issues are discussed and
optimisation scenarios are presented that explore them in detail.
The assumptions used in this study for the investment costs of either converting gas grids to hydrogen or
electrification of heating are shown in Table 2. For electrification, it is likely that electricity distribution
infrastructure would need expanding and that this would be more expensive than converting existing gas
distribution grids to hydrogen. Meanwhile, given that the majority of homes currently have natural gas based
heating systems, it is also likely to be more expensive to install electric heating systems (e.g. electric heat
pumps, which typically also require new radiators [85]) than hydrogen systems (which would only require
that the boiler be replaced).
However, although the investment costs for conversion of gas grids to hydrogen may be lower than elec-
trification of heating, the hydrogen supply chain is more complex, relying on conversion of either natural
gas or electricity to hydrogen. Electricity supply chains, however, are more direct between production of
electricity and heating. Therefore the “fuel” costs are likely to be lower for electrification. Furthermore,
the lower-cost hydrogen production route, via SMR, has unavoidable emissions associated with it, from the
upstream natural gas production and the fraction of emissions that cannot be captured at the SMR plant.
The results in section 4.2.1 suggest that the lower supply chain costs of electrification outweigh the higher
investment costs of upgrading/replacing the end-use technologies, when compared to conversion of gas grids
to hydrogen. To explore this further, the significance of the cost assumptions in Table 2 were examined
by modelling a series of scenarios with increasing electricity infrastructure costs. Scenarios in 2050 with
investment costs between £650 per kW and £1250 per kW of new electricity distribution capacity were
modelled, with emissions constraints of both 10 MtCO2/yr and 20 MtCO2/yr. No feed-in tariffs or other
technology incentives were included in these scenarios.
The results from these scenarios are shown in Figure 12. Whilst with new electricity infrastructure costs
at £650 per kW capacity there is almost no use of hydrogen in gas grids for heating, increasing electricity
distribution costs make hydrogen more appealing and with costs of £1050 per kW capacity, with a CO2
constraint of 20 MtCO2/yr, around one third of domestic and commercial heating is delivered as hydrogen
through converted natural gas pipelines. A more stringent CO2 constraint of 10 MtCO2/yr results in less
hydrogen being used due to the emissions associated with the hydrogen supply chain.
Figure 13 shows details of the system design and operation for the 20 MtCO2/yr scenario with electric-
ity distribution infrastructure costs of £1050 per kW capacity. An extensive hydrogen infrastructure is
constructed, including hydrogen production from SMR, CCS, hydrogen and CO2 transmission pipelines
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Figure 12: Proportion of domestic and commercial heating supplied as hydrogen (through the gas grid) in
scenarios with increasing costs of electricity distribution infrastructure.
spanning the country, and a significant amount of hydrogen storage. The total annual hydrogen production
is 291 TWh/yr, of which less than 1 TWh is from power-to-gas. A small amount (5%) of hydrogen is con-
verted to electricity via fuel cells and the remainder is used for heating. As Figure 13(a) shows, different
choices regarding conversion of natural gas distribution systems to hydrogen are made around the country.
Overall, 57% of existing distribution grid capacity is converted to pure hydrogen, 26% is retained for deliv-
ering natural gas (including some partial hydrogen injection), and 17% is unused. Where gas grids are not
used, electrification of heating is preferred.
Various hydrogen storage options are included to provide system flexibility. Underground storage facilities
provide interseasonal storage for balancing variations in demand across the year, as shown in Figure 13(b).
Linepack from the distribution and transmission systems provides some within-day flexibility but, impor-
tantly this is not sufficient for the whole system, so almost 300 GWh of pressure vessel hydrogen storage is
also required. Typically the linepack and pressure vessel storage is accumulated overnight and depleted over
the course of the day.
5. Conclusions
Hydrogen injection into gas grids, both through partial mixing with natural gas and complete conversion
to hydrogen, is a feasible strategy for maintaining and decarbonising the extensive natural gas grids that
serve many countries in the world. The advantages of hydrogen injection include reduced greenhouse gas
emissions from the gas grid end users, making use of valuable transmission and distribution infrastructures
(and avoiding expansion of electricity infrastructure), and exploiting the inherent flexibility that gas grids
have, known as linepack flexibility.
Although there are practical and safety challenges to utilising hydrogen in existing natural gas pipelines,
most of these issues can be overcome or managed. Several testing and demonstration projects have been
completed or are in progress globally that are expanding the knowledge base in this area and providing




Figure 13: Energy system design and operation for a 2050 case that includes conversion of gas grids to hydrogen.
The case shown is the case with a CO2 constraint of 20 MtCO2/yr and new electricity distribution grid installation costs of
£1050/kW. (a) Maps of the energy system, including (left) installed hydrogen-related technologies (numbers show total installed
capacity in the zone) and (right) proportion of the existing natural gas distribution grid that is retained, converted to hydrogen
or unused in each zone; (b) Total storage inventory for all hydrogen storage options, including gas grid linepack, over the course
of one year, with insets showing within-day variation in January and October.
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Energy systems are ready for partial hydrogen injection into gas grids now. Using an integrated value chain
optimisation model (the Value Web Model, which was further developed here to include hydrogen injection
into the gas grid, conversion of gas grids to hydrogen, and linepack storage), this study has shown that
feed-in tariffs of £20/MWh for hydrogen injected into gas grids would be sufficient to incentivise injection
in certain applications. This would also provide some stability to the electricity system, by absorbing
electricity at times of excess supply and converting to hydrogen using electrolysis. Higher feed-in tariffs, of
around £50/MWh, would incentivise a wider roll-out of partial hydrogen injection, with average injection
levels across the whole gas distribution grid in excess of 17 vol.%. In this scenario, an extensive national
hydrogen infrastructure is developed, including hydrogen production from steam methane reforming and a
national hydrogen transmission system. Partial hydrogen injection reduces gas grid emissions by up to 4
MtCO2/yr, which is a reduction in overall system emissions of around 2.5%.
In the long term, complete conversion of gas grids to hydrogen is an option for decarbonising heat and
exploiting the flexibility of gas grids. However, this option must compete with electrification of heat, which
may have higher infrastructure costs but a more efficient energy supply chain. A particular challenge for
conversion of gas grids to hydrogen in very low-carbon scenarios is the unavoidable CO2 emissions from
hydrogen production from fossil fuels. In this study, electrification of heating was found to be the optimal
solution with median electricity infrastructure costs of £650 per kW capacity. However, conversion of gas
grids could have a significant contribution if electricity infrastructure costs are found to exceed £1000 per kW
capacity. Alternatively, other challenges for the electric heating supply chain, such as inadequate performance
of electric heat pumps, would improve the case for conversion of gas grids to hydrogen.
Scenarios with significant proportions of the gas grid converted to hydrogen would involve an extensive
roll-out of hydrogen-related infrastructure, including production plants, and transportation and storage
infrastructure for both hydrogen and CO2. Gas grid linepack would provide some flexibility to the system
but this study found that the reduced linepack of gas networks when converted to hydrogen would mean
that additional intra-day flexibility, such as above-ground hydrogen pressure vessels, may be required.
Provided that negative emissions options will be able to provide a small level of negative emissions (5-
20 MtCO2/yr for heating and electricity sectors considered in this study) a net zero emissions target is
achievable and does not significantly affect the optimal 2050 energy system. However, achieving net zero
emissions without negative emissions options would be significantly more expensive and would affect the
final system design, primarily because this would preclude the use of any fossil fuels at all.
This study is the first to have applied value chain optimisation methods to hydrogen injection into gas grids,
and the approach has provided valuable insights into the role of hydrogen and gas grids in the wider energy
system. The model and insights presented here will be valuable to modellers and researchers looking to
understand aspects of current and future energy systems, in particular the practicalities and the role of
hydrogen injection into gas grids from a whole-system value chain optimisation perspective. The modelling
scenarios in this paper have focussed on the energy system of Great Britain, as an example of a medium-sized
energy system with an extensive natural gas grid. However, many other countries have a similar reliance
on their gas grids, and the key insights from this study are applicable to these countries and the presented
MILP formulation of the Value Web Model can be used together with country-specific data to obtain more
direct results and insights. Finally, the results from this study will be valuable to policymakers, exploring
the justification for incentives for hydrogen both now and into the future.
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Appendix A. Abbreviations
BECCS Biomass Energy Carbon Capture and Storage
CCS Carbon Capture and Storage
CO2 Carbon dioxide
DACCS Direct Air Carbon Capture and Storage




LTS Local Transmission System
MILP Mixed Integer Linear Programming
NETs Negative Emissions Technologies
NTS National Transmission System
SMR Steam Methane Reforming
STP Standard Temperature and Pressure
tCO2 Tonnes of Carbon dioxide
VWM Value Web Model
Appendix B. Model nomenclature
A reduced nomenclature for the mathematical formulation presented in section 3 is provided here. The
full model mathematical formulation and nomenclature can be found in previous studies by Samsatli and
co-workers (e.g. [68, 69, 70]).
Indices and sets
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d ∈ D Daily interval types (e.g. weekday, weekend)
h ∈ H Hourly (sub-day) intervals
l ∈ L “Linepack” technologies (transmission infrastructures with linepack storage)
p ∈ P Conversion technologies
PC ⊆ P Commercial conversion technologies
PDist ⊆ P Conversion technologies that represent distribution networks
PHIGG ⊆ P Conversion technologies for hydrogen injection into the gas grid
r ∈ R Resources
s ∈ S Storage facilities
SDist ⊆ S Storage facilities that represent the linepack storage of distribution networks
t ∈ T Seasonal time intervals
y ∈ Y Long term planning time intervals (e.g. decadal)
z ∈ Z Spatial zones
Parameters
alz Binary value determining whether it is possible to connect to the national transmission
infrastructure l in zone z (alz = 1 if a facility may be built, 0 otherwise)
lput,maxl Maximum injection rate per connection into linepack transmission system l
lhold,minl Minimum linepack storage capacity per connection for linepack transmission system l
lhold,maxl Maximum linepack storage capacity per connection for linepack transmission system l
lget,maxl Maximum withdrawal rate per connection from linepack transmission system l
nhdh Duration of hourly interval h [h]
ndwd Number of occurrences of day type d in a week (e.g. 5 for a weekday, 2 for a weekend)
nwtt Number of repeated weeks in season t
NELlz Number of pre-existing connections for linepack transmission system l in zone z
NRELlzy Number of pre-existing connections for linepack transmission system l in zone z that
retire at the beginning of planning period y
pmaxp Maximum operating rate of technology p
pminp Minimum operating rate of technology p
SPsp Association parameter that links the conversion technologies that represent distribution
networks p ∈ PDist to the storage technologies associated with the same network
s ∈ SDist
αrpy Conversion factor of resource r in technology p in planning period y
λputlrfy Conversion factor for performing “put” task with linepack transmission system l on
resource r in planning period y
λholdlrfy Conversion factor for performing “hold” task with linepack transmission system l on
resource r in planning period y
λgetlrfy Conversion factor for performing “get” task with linepack transmission system l on
resource r in planning period y
Positive variables
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Jlhdty Linepack inventory in transmission system l during hour h of day type d in season t of
planning period y
J0,actldty Linepack inventory in transmission system l at the start of day type d in season t of
planning period y
J0,simldty Linepack inventory in transmission system l at the start of the simulated cycle for day
type d in season t of planning period y
Ppzhdty Total rate of operation of conversion technology p in zone z during hour h of day type d
in season t of planning period y
L putlzhdty Operation rate of “put” task by linepack transmission system l in zone z during hour h
of day type d in season t of planning period y
L holdlhdty Operation rate of “hold” task by linepack transmission system l in all zones during hour
h of day type d in season t of planning period y
L getlzhdty Operation rate of “get” task by linepack transmission system l in zone z during hour h
of day type d in season t of planning period y
Free variables
Lzrhdty Net flow rate of resource r from all linepack transmission systems in zone z during hour
h of day type d in season t of planning period y
Przhdty Net rate of production by conversion technologies of resource r in zone z during hour h
of day type d in season t of planning period y
∆dldty Net surplus put into linepack transmission system l over one day in day type d in
season t of planning period y
∆tlty Net surplus put into linepack transmission system l over one week in season t of
planning period y
∆yly Net surplus put into linepack transmission system l over one year in planning period y
Integer variables
NLlzy Total number of connections to linepack transmission system l in zone z during
planning period y
NPCpzy Total number of commercial conversion technology p ∈ PC in zone z during planning
period y
NSszy Total number of storage technology s in zone z during planning period y
NILlzy Total number of connections to linepack transmission system l installed in zone z at the
beginning of planning period y
NRLlzy Total number of connections to linepack transmission system l retired from zone z at
the beginning of planning period y
35
References
[1] D.G. Victor, D. Zhou, E.H.M. Ahmed, P.K. Dadhich, J.G.J. Olivier, H-H. Rogner, et al. Climate Change
2014: Mitigation of Climate Change. Contribution of Working Group III to the Fifth Assessment Report
of the Intergovernmental Panel on Climate Change, chapter 1. Cambridge University Press, Cambridge,
United Kingdom and New York, NY, USA, 2014.
[2] Steven J. Davis, Nathan S. Lewis, Matthew Shaner, Sonia Aggarwal, Doug Arent, Inês L. Azevedo,
et al. Net-zero emissions energy systems. Science, 360(6396):1419, 2018.
[3] BP. BP Energy Outlook - 2019 edition. Report, BP, 2019. Available online
at www.bp.com/content/dam/bp/business-sites/en/global/corporate/pdfs/energy-economics/
energy-outlook/bp-energy-outlook-2019.pdf.
[4] Central Intelligence Agency. Field Listing: Pipelines - The World Factbook. Website: www.cia.gov/
library/publications/the-world-factbook/fields/383.html, 2019. Accessed: 19/06/2019.
[5] Jamie Speirs, Paul Balcombe, Erin Johnson, Jeanne Martin, Nigel Brandon, and Adam Hawkes. A
greener gas grid: what are the options? Report, Sustainable Gas Institute, 2017. Available online at
www.sustainablegasinstitute.org/a-greener-gas-grid/.
[6] National Grid. National Grid Data Item Explorer. Website: http://mip-prod-web.azurewebsites.
net/DataItemExplorer, 2019. Accessed: 20/06/2019.
[7] Department for Business, Energy and Industrial Strategy. Final UK greenhouse gas emissions
national statistics 1990-2017. Dataset, available online at www.gov.uk/government/statistics/
final-uk-greenhouse-gas-emissions-national-statistics-1990-2017, 2019.
[8] S.D. Watson, K.J. Lomas, and R.A. Buswell. Decarbonising domestic heating: What is the peak GB
demand? Energy Policy, 126:533 – 544, 2019.
[9] Committee on Climate Change. Hydrogen in a low-carbon economy. Report, Com-
mittee on Climate Change, 2018. Available online at www.theccc.org.uk/publication/
hydrogen-in-a-low-carbon-economy/.
[10] Paul E. Dodds and Will McDowall. The future of the UK gas network. Energy Policy, 60:305–316,
2013.
[11] Christopher J. Quarton, Olfa Tlili, Lara Welder, Christine Mansilla, Herib Blanco, Heidi Heinrichs,
et al. The curious case of the conflicting roles of hydrogen in global energy scenarios. Sustainable
Energy and Fuels, 4:80–95, 2020.
[12] N.P. Brandon and Z. Kurban. Clean energy and the hydrogen economy. Philosophical Transactions of
the Royal Society A - Mathematical and Physical Engineering Sciences, 375, 2017.
[13] Cédric Philibert. Renewable energy for industry: From green energy to green materials and fuels. Re-
port, International Energy Agency, 2017. Available online at www.iea.org/publications/insights/
insightpublications/Renewable_Energy_for_Industry.pdf.
36
[14] Andreas Abdon, Xiaojin Zhang, David Parra, Martin K. Patel, Christian Bauer, and Jörg Worlitschek.
Techno-economic and environmental assessment of stationary electricity storage technologies for different
time scales. Energy, 139:1173 – 1187, 2017.
[15] D. Haeseldonckx and W. D’Haeseleer. The use of the natural-gas pipeline infrastructure for hydrogen
transport in a changing market structure. International Journal of Hydrogen Energy, 32(10-11):1381–
1386, 2007.
[16] I. A. Gondal and M. H. Sahir. Prospects of natural gas pipeline infrastructure in hydrogen transporta-
tion. International Journal of Energy Research, 36(15):1338–1345, 2012.
[17] NaturalHy. Using the existing natural gas system for hydrogen. Report, NaturalHy, 2009.
Available online at www.fwg-gross-bieberau.de/fileadmin/user_upload/Erneuerbare_Energie/
Naturalhy_Brochure.pdf.
[18] Hy4Heat. Hy4Heat Progress Report - December 2019. Report, 2019. Available online at www.hy4heat.
info/reports.
[19] Christopher J. Quarton and Sheila Samsatli. Power-to-gas for injection into the gas grid: what can we
learn from real-life projects, economic assessments and systems modelling? Renewable and Sustainable
Energy Reviews, 98:302–316, 2018.
[20] Hydeploy. UK’s first grid-injected hydrogen pilot gets underway. Press release, available online at https:
//hydeploy.co.uk/about/news/uks-first-grid-injected-hydrogen-pilot-gets-underway/,
2020. Accessed: 10/1/2020.
[21] GRHYD. Mise en oeuvre du taux variable d’hydrogene. Press release, available online at http://
grhyd.fr/mise-oeuvre-taux-variable-dhydrogene/, 2019. Accessed: 10/1/2020.
[22] IRENA. Hydrogen: A renewable energy perspective. Report, International Renewable Energy Agency,
2019. Available online at www.irena.org/-/media/Files/IRENA/Agency/Publication/2019/Sep/
IRENA_Hydrogen_2019.pdf.
[23] Giulio Guandalini, Stefano Campanari, and Matteo C. Romano. Power-to-gas plants and gas turbines
for improved wind energy dispatchability: Energy and economic assessment. Applied Energy, 147:
117–130, 2015.
[24] Sebastian Schiebahn, Thomas Grube, Martin Robinius, Vanessa Tietze, Bhunesh Kumar, and Detlef
Stolten. Power to gas: Technological overview, systems analysis and economic assessment for a case
study in Germany. International Journal of Hydrogen Energy, 40(12):4285–4294, 2015.
[25] David Parra, Xiaojin Zhang, Christian Bauer, and Martin K. Patel. An integrated techno-economic
and life cycle environmental assessment of power-to-gas systems. Applied Energy, 193(Supplement C):
440 – 454, 2017.
[26] M. Abeysekera, J. Wu, N. Jenkins, and M. Rees. Steady state analysis of gas networks with distributed
injection of alternative gas. Applied Energy, 164:991–1002, 2016.
[27] Sandro Pellegrino, Andrea Lanzini, and Pierluigi Leone. Greening the gas network - The need for
modelling the distributed injection of alternative fuels. Renewable & Sustainable Energy Reviews, 70:
266–286, 2017.
37
[28] Emmanuel Ogbe, Ushnik Mukherjee, Michael Fowler, Ali Almansoori, and Ali Elkamel. Integrated
design and operation optimization of hydrogen commingled with natural gas in pipeline networks. In-
dustrial & Engineering Chemistry Research, 59(4):1584–1595, 2020.
[29] Paul E. Dodds and Stephanie Demoullin. Conversion of the UK gas system to transport hydrogen.
International Journal of Hydrogen Energy, 38(18):7189–7200, 2013.
[30] Jeroen de Joode, Bert Daniels, Koen Smekens, Joost van Stralen, Francesco Dalla Longa, Koen
Schoots, et al. Exploring the role for power-to-gas in the future Dutch energy system. Report,
ECN and DNVGL, 2014. Available online at https://energeia-binary-external-prod.imgix.net/
83bb0d3d80fbce890e2079fffe3da82a990cd3b7.pdf.
[31] M. Qadrdan, M. Abeysekera, M. Chaudry, J. Wu, and N. Jenkins. Role of power-to-gas in an integrated
gas and electricity system in Great Britain. International Journal of Hydrogen Energy, 40(17):5763–
5775, 2015.
[32] Meysam Qadrdan, Hossein Ameli, Goran Strbac, and Nicholas Jenkins. Efficacy of options to address
balancing challenges: Integrated gas and electricity perspectives. Applied Energy, 190:181–190, 2017.
[33] S. Clegg and P. Mancarella. Integrated modeling and assessment of the operational impact of power-
to-gas (P2G) on electrical and gas transmission networks. IEEE Transactions on Sustainable Energy, 6
(4):1234–1244, 2015.
[34] S. Clegg and P. Mancarella. Storing renewables in the gas network: Modelling of power-to-gas seasonal
storage flexibility in low-carbon power systems. IET Generation, Transmission and Distribution, 10(3):
566–575, 2016.
[35] Alexander Buttler and Hartmut Spliethoff. Current status of water electrolysis for energy storage,
grid balancing and sector coupling via power-to-gas and power-to-liquids: A review. Renewable and
Sustainable Energy Reviews, 82:2440 – 2454, 2018.
[36] Knoema Corporation. Negative prices for energy in europe reveal in-
frastructure gaps. Website: https://knoema.com/infographics/juxiscf/
negative-prices-for-energy-in-europe-reveal-infrastructure-gaps, 2018. Accessed:
20/06/2019.
[37] Sören Amelang and Kerstine Appunn. The causes and effects of negative power prices - clean energy
wire. Website: www.cleanenergywire.org/factsheets/why-power-prices-turn-negative, 2018.
Accessed: 20/06/2019.
[38] Manuel Götz, Jonathan Lefebvre, Friedemann Mörs, Amy McDaniel Koch, Frank Graf, Siegfried Bajohr,
et al. Renewable power-to-gas: A technological and economic review. Renewable Energy, 85:1371–1390,
2016.
[39] D. Scamman, K. Hyde, M. Newborough, and G. Cooley. Power-to-gas: A UK feasibility study. Report,
ITM Power plc, 2013.
[40] Gunther Glenk and Stefan Reichelstein. Economics of converting renewable power to hydrogen. Nature
Energy, 4:216–222, February 2019.
38
[41] Department for Business, Energy and Industrial Strategy. Digest of United King-
dom energy statistics 2018. Report, The Department for Business, Energy and In-
dustrial Strategy, 2018. Available online at www.gov.uk/government/statistics/
digest-of-uk-energy-statistics-dukes-2018-main-report.
[42] National Grid. End-to-end balancing guide: An overview of the commercial elements of GB gas bal-
ancing activity. Presentation, National Grid, 2017. Available online at www.nationalgrid.com/sites/
default/files/documents/End%20to%20End%20Balancing%20Guide.pdf.
[43] Grant Wilson and Paul Rowley. Flexibility in Great Britain’s gas networks: analysis of linepack and
linepack flexibility using hourly data. Report, UK Energy Research Centre, 2019. Available online at
www.ukerc.ac.uk/publications/linepack.html.
[44] National Grid. Winter outlook 2018/19. Report, National Grid, 2018. Available online at www.
nationalgrideso.com/document/127551/download.
[45] Sandia National Laboratories. DOE Global Energy Storage Database. Database, online at www.
energystorageexchange.org, 2019. Accessed: 13/08/2019.
[46] Dan Sadler, Henrik Solgaard Anderson, Martin Sperrink, Al Cargill, Merethe Sjovoll, Knut Ingvar Asen,
et al. H21 North of England. Report, Northern Gas Networks, Equinor and Cadent, 2018.
[47] Cadent. HyNet North West: From Vision to Reality. Report, Cadent Gas Ltd., 2018. Available online
at www.hynet.co.uk/app/uploads/2018/05/cadent-project-report-v4.pdf.
[48] NIST. NIST chemistry webbook - NIST standard reference database number 69. Database, available
online at https://webbook.nist.gov/chemistry/, 2019.
[49] J. P. Hodges, W. Geary, S. Graham, P. Hooker, and R. Goff. Injecting hydrogen into the gas network -
a literature search. Report, Health and Safety Laboratory, 2015. Available online at www.hse.gov.uk/
research/rrhtm/rr1047.htm.
[50] G. G. Nasr and N. E. Connor. Gas Flow and Network Analysis, chapter 4, pages 101–150. Springer
International Publishing, Cham, 2014. ISBN 978-3-319-08948-5.
[51] Mokhatab, Saeid, Poe, A. William, Mak, and Y. John. Handbook of Natural Gas Transmission and
Processing - Principles and Practices, chapter 1. Elsevier, 2019. ISBN 978-0-12-815817-3.
[52] Cadent and DNV GL. Future Billing Methodology - NIC04 - Project Progress Report 2, December
2018. Report, Cadent and DNV GL, 2018. Available online https://futurebillingmethodology.
com/wp-content/uploads/2018/12/FBM-Project-Progress-Report-Dec-18.pdf.
[53] M. J. Kippers, J. C. De Laat, R. J. M. Hermkens, J. J. Overdiep, A. Van Der Molen, W. C. Van Erp,
et al. Pilot project on hydrogen injection in natural gas on island of Ameland in the Netherlands. In
International Gas Research Conference Proceedings, volume 2, pages 1163–1177, 2011.
[54] HyDeploy. Hydeploy project - second project progress report. Report, Cadent, Keele University, ITM
Power, Northern Gas Networks, Health and Safety Laboratory, Proressive Energy, 2018. Available online
at https://hydeploy.co.uk/app/uploads/2018/02/13894_HYDEPLOY_PROJECT_REPORT_LR-1.pdf.
39
[55] Stephen Livermore, Ailidh McGilp, and David McNaught. Appraisal of domestic hydrogen applicances.
Report, Frazer-Nash Consultancy, 2018. Available online at www.gov.uk/government/publications/
appraisal-of-domestic-hydrogen-appliances.
[56] S. Taamallah, K. Vogiatzaki, F.M. Alzahrani, E.M.A. Mokheimer, M.A. Habib, and A.F. Ghoniem.
Fuel flexibility, stability and emissions in premixed hydrogen-rich gas turbine combustion: Technology,
fundamentals, and numerical simulations. Applied Energy, 154:1020 – 1047, 2015.
[57] IEA. The future of hydrogen: Seizing today’s opportunities. Report, International Energy Agency,
2019. Available online at www.iea.org/reports/the-future-of-hydrogen.
[58] Andy Brown and Mike Welch. Hydrogen as a fuel for gas turbines. The Chemical Engineer, 2020. Avail-
able online at www.thechemicalengineer.com/features/hydrogen-as-a-fuel-for-gas-turbines/.
[59] EUTurbines. The Gas Turbine Industry Commitments to drive Europe’s transition to a de-
carbonised energy mix. Press release, available online at https://powertheeu.eu/wp-content/
themes/euturbines/dl/EUTurbines-press-release-on-the-Commitments.pdf, 2019. Accessed:
14/04/2020.
[60] E. A. Polman, J. C. de Laat, and M. Crowther. Reduction of CO2 emissions by adding hydrogen to
natural gas. Report, International Energy Agency, 2003. Available online at https://ieaghg.org/
docs/General_Docs/Reports/Ph4-24%20Hydrogen%20in%20nat%20gas.pdf.
[61] Health and Safety Executive and OFGEM. 10 year review of the Iron Mains Replacement Programme.
Report, 2011. Available online at www.hse.gov.uk/research/rrpdf/rr888.pdf.
[62] R.G. Derwent. Hydrogen for heating: Atmospheric impacts - a literature review. Re-
port, Department for Business, Energy and Industrial Strategy, 2018. Available online
at https://assets.publishing.service.gov.uk/government/uploads/system/uploads/
attachment_data/file/760538/Hydrogen_atmospheric_impact_report.pdf.
[63] Engie. Website: The GRHYD demonstration project - ENGIE. Online, available at
www.engie.com/en/innovation-energy-transition/digital-control-energy-efficiency/
power-to-gas/the-grhyd-demonstration-project/, 2018. Accessed: 12/02/18.
[64] Element Energy and E4Tech. Cost analysis of future heat infrastructure op-
tions. Report for National Infrastructure Commission. Report, Element Energy
and E4Tech, 2018. Available online at www.nic.org.uk/wp-content/uploads/
Element-Energy-and-E4techCost-analysis-of-future-heat-infrastructure-Final.pdf.
[65] Goran Strbac, Danny Pudjianto, Robert Sansom, Predrag Djapic, Hossein Ameli, Nilay Shah,
et al. Analysis of alternative UK heat decarbonisation pathways. Report, Imperial Col-
lege London, 2018. Online, available at www.theccc.org.uk/wp-content/uploads/2018/06/
Imperial-College-2018-Analysis-of-Alternative-UK-Heat-Decarbonisation-Pathways.pdf.
[66] Sophie Lyons, Emrah Durusut, and Ian Moore. Industrial fuel switching market engag-




[67] M. Reuss, T. Grube, M. Robinius, P. Preuster, P. Wasserscheid, and D. Stolten. Seasonal storage and
alternative carriers: A flexible hydrogen supply chain model. Applied Energy, 200:290 – 302, 2017. doi:
https://doi.org/10.1016/j.apenergy.2017.05.050.
[68] Sheila Samsatli and Nouri J. Samsatli. A multi-objective MILP model for the design and operation of
future integrated multi-vector energy networks capturing detailed spatio-temporal dependencies. Applied
Energy, 220:893 – 920, 2018.
[69] Sheila Samsatli and Nouri J. Samsatli. The role of renewable hydrogen and inter-seasonal storage
in decarbonising heat - comprehensive optimisation of future renewable energy value chains. Applied
Energy, 233-234:854–893, 2019.
[70] Christopher J. Quarton and Sheila Samsatli. The value of hydrogen and carbon capture, storage and
utilisation in decarbonising energy: Insights from integrated value chain optimisation. Applied Energy,
257:113936, 2020.
[71] Christopher J. Quarton and Sheila Samsatli. Resource and technology data for spatio-temporal value
chain modelling of the Great Britain energy system. Data in Brief, 2020. Submitted.
[72] Sheila Samsatli and Nouri J. Samsatli. A general spatio-temporal model of energy systems with a
detailed account of transport and storage. Computers & Chemical Engineering, 80:155–176, 2015.
[73] Sheila Samsatli and Nouri J. Samsatli. A general mixed integer linear programming model for the design
and operation of integrated urban energy systems. Journal of Cleaner Production, 191:458 – 479, 2018.
[74] Sheila Samsatli, Iain Staffell, and Nouri J. Samsatli. Optimal design and operation of integrated wind-
hydrogen-electricity networks for decarbonising the domestic transport sector in Great Britain. Inter-
national Journal of Hydrogen Energy, 41(1):447–475, 2016.
[75] OFGEM. Non-Domestic RHI tariff table (Q2 - 2019/20). Spreadsheet, available online at www.ofgem.
gov.uk/publications-and-updates/non-domestic-rhi-tariff-table, 2019.
[76] Department for Business, Energy and Industrial Strategy. Annual domestic energy bills. Sta-
tistical data set, 2019. Available online at www.gov.uk/government/statistical-data-sets/
annual-domestic-energy-price-statistics#targetText=Annual%20domestic%20energy%
20bills,on%20household%20expenditure%20on%20fuel.
[77] UK Government. UK becomes first major economy to pass net zero
emissions law. Website, available at www.gov.uk/government/news/
uk-becomes-first-major-economy-to-pass-net-zero-emissions-law, 2019. Accessed:
30/10/2019.
[78] Edward S. Rubin, John E. Davison, and Howard J. Herzog. The cost of CO2 capture and storage.
International Journal of Greenhouse Gas Control, 40(Supplement C):378 – 400, 2015.
[79] IEAGHG. Techno-Economic Evaluation of SMR Based Standalone (Merchant) Hydrogen




[80] Matthew E. Boot-Handford, Juan C. Abanades, Edward J. Anthony, Martin J. Blunt, Stefano Brandani,
Niall Mac Dowell, et al. Carbon capture and storage update. Energy Environ. Sci., 7:130–189, 2014.
[81] Oil & Gas UK. Environment report 2016. Report, Oil & Gas UK, 2016.
[82] Royal Society and Royal Academy of Engineering. Greenhouse gas removal. Re-
port, Royal Society and Royal Academy of Engineering, 2018. Available online
at https://royalsociety.org/~/media/policy/projects/greenhouse-gas-removal/
royal-society-greenhouse-gas-removal-report-2018.pdf.
[83] National Grid. Future Energy Scenarios. Report, National Grid, 2019. Available online at www.fes.
nationalgrid.com/fes-document/.
[84] H.A. Daggash, C.F. Heuberger, and N. Mac Dowell. The role and value of negative emissions technologies
in decarbonising the UK energy system. International Journal of Greenhouse Gas Control, 81:181 –
198, 2019.
[85] Energy Saving Trust. Ground source heat pumps. Website, available at www.energysavingtrust.org.
uk/renewable-energy/heat/ground-source-heat-pumps, 2019. Accessed 17/10/2019.
42
